Introduction
In this paper, we investigate the use of steam or hot-water injection for improved oil recovery in fractured reservoirs. To illustrate the potential of the method, we discuss its application to the Ghaba North field in Oman. However, the analysis presented here is general, and the recovery strategy proposed could be applied readily to other suitable fields.
Ghaba North Shuaiba has a relatively thin liquid column (64 m) compared with other nearby fields such as Natih and Fahud, which have 260-and 460-m reliefs, respectively. The Shuaiba reservoir originally contained some 119 million m 3 of 890 kg/m 3 (27°API) oil. The formation has an average porosity of 30%. Average reservoir permeability varies with fracture development, from 10 md in the unfractured matrix blocks (as derived from core measurements) to more than 100 md in fractured samples. 1, 2 Ghaba North Shuaiba is a salt-induced faulted anticline structure. The reservoir is a fractured, chalky limestone that produces under the influence of a strong natural waterdrive. The oil is produced from the fractured carbonate reservoir and the upper, middle, and lower sand shale units of the Gharif formation. The Ghaba North structure is a 15´8 km northeast/southwest-tending anticline. Core and Formation Micro Scanner (FMS) studies have indicated fractures to be subvertical and extensional in nature. They form an open, interconnected network with a spacing of 5 to 10 m through the Shuaiba reservoir. 1, 2 The field was discovered in 1972 and brought into production in 1975, but it was shut down in 1979 because of unfavorable performance. In 1984, matrix oil displacement by gas/oil gravity drainage (GOGD) was proposed to improve production. The production mechanism involves drainage of oil by gravity from an oil-filled reservoir matrix, which is surrounded by a gas-filled fracture system. The drained oil forms an oil rim in the fracture system, below the fracture gas-cap, and wells are perforated in the oil rim. The gross production rate was increased to reduce reservoir pressure in an attempt to establish a secondary gas cap. Production performance has since demonstrated that the aquifer is too strong to allow the reservoir pressure to fall significantly. Between 1990 and 1995, a second attempt was made to create a gas cap by gas injection into two wells. However, these projects have proved unsuccessful to date, and only 2% recovery has been achieved overall.
The use of steam injection in Qarn Alam, a neighboring field in Oman, has been tested recently in a pilot study. 3, 4 Steam injection started in 1996 but was stopped in 1997 because of problems with the steam-injection plant. Injection resumed in September 1998 and continues today. Oil production has increased from around 300 m 3 /D to 1400 m 3 /D; this increase is attributed to steam injection. An elegant analysis of the process showed that gravity drainage resulted in good recoveries, even if the reservoir remained oil-wet. 5 However, there are three significant differences between Ghaba North and Qarn Alam. First, the depth of the oil column in Qarn Alam is 165 m, compared with 64 m in Ghaba North. This increased relief has allowed the creation and expansion of a gas cap in Qarn Alam, while an attempt to create an artificial gas cap in Ghaba North has failed. Second, Ghaba North oil has a viscosity of only 7 mPa×s, compared with 200 mPa×s in Qarn Alam. Steam injection in Qarn Alam reduces the oil viscosity to an estimated 2 mPa×s, 5 allowing rapid drainage of oil. In Ghaba North, such a reduction in viscosity may not be necessary to achieve recoveries in an economic time scale. Third, the spacing of fracture channels in Qarn Alam is 1.5 to 4 m; 3 in Ghaba North, the fractures are more widely spaced. This means that for Qarn Alam, it might be reasonable to assume instantaneous thermal equilibrium between fracture and matrix in a field setting, 5 but in Ghaba North, the time scale for heat transport into the matrix may be significant. This combination of a low relief, a moderately light oil, and a wide fracture spacing implies that Ghaba North is a poor candidate for steam injection. However, as we discuss later, the use of steam injection to induce a wettability change in the reservoir may lead to good recoveries.
Because a number of strategies to improve production in Ghaba North have failed, we now consider different possible recovery mechanisms. Reviews of reservoir wettability have concluded that carbonate reservoirs in the Middle East and elsewhere are usually oil-wet. 6, 7 If the rock is oil-wet, water must overcome a capillary barrier to invade the rock matrix and displace the oil. Water invasion is a secondary-drainage type process. The capillary pressure necessary to enter the matrix can be estimated with the Leverett J function. 8, 9 where J * =a dimensionless entry pressure, with a value typically around 0.25. 8 If the oil/water interfacial tension s=50 mN/m, permeability k=10 mD (=10 -14 m 2 ) and porosity f=0.3-values representative of Ghaba North-we estimate a capillary barrier of approximately 70 kPa.
Oil recovery can be improved in an oil-wet fractured reservoir by overcoming the capillary barrier through viscous and gravitational forces, by reducing or eliminating the barrier by lowering the interfacial tension of the fluids, or by altering the rock wettability. We will consider each of these possibilities in turn. Because the fractures have a much higher permeability than the matrix, water injection simply leads to excessive channeling of the water to producers, without achieving any significant increase in water pressure relative to the oil. Thus, water injection alone is unlikely to create a sufficient viscous pressure difference to invade the low-permeability matrix blocks.
Buoyancy forces can be used to overcome the capillary entry pressure. Imagine that water floods the fractures at the top of the reservoir; here, the oil and water pressures are approximately equal because the fracture capillary pressure is low. At a depth h below the top, the water pressure exceeds the oil pressure by Drgh, where Dr is the density difference between oil and water. Taking the representative values Dr=230 kgm -3 and g=9.81 ms -2
, we find that a depth of approximately 31 m is required for the pressure difference to exceed Pc and for water to enter the lower matrix blocks. Ghaba North has a liquid column of 64 m; thus, only the bottom half of the reservoir can be swept in this way. However, this analysis assumes that the water fills the fractures in the upper portion of the reservoir to maintain a sufficient gravitational head to sweep the bottom. Gravitational forces may mean that the water flows only in the lower fractures, unless very high flow rates are used, with accompanying high water cuts. Thus, this approach is unlikely to succeed except in reservoirs with thicker liquid columns.
Surfactant flooding can lower the interfacial tension between oil and water and reduce the capillary barrier 10 ; however, that will not be studied in this paper. One potential problem with the approach is its high cost.
Gas injection, rather than waterflooding, was considered for Ghaba North. Gas is still nonwetting to oil, but the gas/oil interfacial tension is normally lower (around 20 mN/m or lower), and the typical density difference is larger (at least 600 kgm ). This means that gas may be able to enter the matrix near the top of the reservoir with a gas column of only around 5 m. The problem is establishing and maintaining a gas column in the reservoir. Injected gas can channel through the fractures at the top of the reservoir, leading to excessive gas production. Dropping the reservoir pressure to produce solution gas encourages water encroachment in the fractures from the underlying aquifer. Either way, a secondary gas cap could not be maintained in Ghaba North, as mentioned previously.
Another possibility is using miscible or near-miscible gas injection to lower the gas/oil interfacial tension, thus lowering the capillary barrier and allowing gas to displace oil in the matrix. This mechanism was studied theoretically and experimentally and is an attractive possibility for many extensively fractured reservoirs. 11 Again, we will not consider this process here because of its potentially high cost.
The last approach is to alter the rock wettability from oil-wet to water-wet, allowing water to imbibe spontaneously into the rock matrix. We will review wettability alteration and reversal before considering this process in more detail.
Wettability Alteration and Reversal
Clean carbonate rocks (and sandstones) are naturally water-wet, even though most reservoir rocks show some oil-wet characteristics. Several studies have suggested that the reason for this is a wettability alteration during oil migration into the reservoir. [12] [13] [14] [15] [16] When oil first invades a pore, the solid surface is coated by a thick wetting film of water. When a critical capillary pressure is exceeded, the water films rupture, resulting in direct contact of the crude oil with the pore wall. Surface-active components of the crude deposit on the rock surface, rendering it oil-wet. This process is illustrated in Fig. 1 .
If the deposition were reversible, then it would be possible to make an oil-wet reservoir water-wet. Several studies of rock and reservoir fluids have found that increasing temperature can make rock more water-wet owing to the desorption of wettability-altering compounds from the rock surface. 6, 16, 17 A recent review of the literature suggested that in most cases, sandstone reservoirs become more oil-wet with increasing temperature, while most carbonates become more water-wet. 18 In contrast, Tang and Morrow showed an increase in recovery by spontaneous imbibition and water wetness with increasing temperature in Berea sandstone. 19 The effect of temperature on recovery by spontaneous imbibition has been studied in oil-wet carbonate cores from Oman. [1] [2] [3] 20 Three samples were studied from the Qarn Alam field, which is a fractured carbonate. The cores were heated with steam at a temperature of 240°C and 50 atm. At reservoir temperature-50°C-the cores would not spontaneously imbibe any water, indicating that they were oil-wet or neutrally wet. At higher temperatures, the cores imbibed significant quantities of water with a recovery between 27 and 35% of the initial oil in place after 2,000 hours, as shown in Fig. 2 . This indicates that the wettability of the carbonate changed to become water-wet on heating. There was no significant gas production, indicating that recovery caused by gas evolution and expansion was not significant in this case. In a hot-water injection test in Qarn Alam, a 38% reduction in oil saturation across the perforated interval was observed, consistent with a wettability change. However, the oil saturation in other regions was unaffected, and the pilot study was considered to be inconclusive. 3 We will explore the consequences on oil recovery assuming that the Ghaba North rock undergoes a wettability change on heating.
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The temperature of the rock can be increased in a reservoir setting with steamflooding. Traditionally, steamflooding improves recovery principally by heating the reservoir oil and lowering its viscosity (enabling it to flow more readily to producers), and thus is usually performed in heavy-oil reservoirs. 21, 22 Ghaba North, however, has an oil of relatively low viscosity-7 mPa×s-and so the impact of temperature on viscosity, although still significant, is not the main reason for considering steam injection. Here, the aim is for the steam to heat the rock matrix sufficiently to induce a wettability change. Then, condensed steam-water-can spontaneously imbibe into the matrix, resulting in favorable oil recoveries.
Briggs et al. 23 presented an experimental and numerical study of steam injection into fractured carbonates. They showed that spontaneous imbibition of hot water into the rock matrix and the expansion of solution gas were the principal recovery processes. However, the effect of temperature on wettability was not studied explicitly.
To analyze the use of a thermally induced wettability transition to improve oil recovery in fractured reservoirs, we develop a 1D model for imbibition and heat transport in the rock matrix. We solve this analytically to find the rate at which oil can be recovered. Fig. 3 shows a schematic of the process by which oil could be recovered after a thermally induced wettability change. Steam is injected into the reservoir; it will flow through the fractures in the upper regions of the reservoir. As the steam cools, heating the rock and fluids, condensed, hot water will flow through the fractures to the bottom of the reservoir. Alternatively, hot water could be injected directly. Imagine the water in the fractures surrounding a single matrix block, as shown in Fig. 3 . Heat from the water will diffuse into the matrix. At some critical temperature, the rock will become water-wet. When this temperature is reached, water can spontaneously imbibe into the matrix, displacing oil. The oil flows into the fractures and can be produced. However, the imbibing water cannot move ahead of the temperature front.
1D Transport of Heat and Saturation
We assume that at a transition temperature Tt, the rock becomes strongly water-wet and the oil/water capillary pressure at the advancing water front is Pc * . In reality, the capillary pressure depends on the water saturation at the front and the temperature. However, this dependence is experimentally difficult to measure and can only be modeled numerically in a theoretical analysis. We use this simple approach because the flow equations can be solved analytically. We also assume that the wettability change is instantaneous, or at least occurs over a time-scale that is short in comparison with the displacement. Wettability alteration is typically achieved in less than 40 days, [13] [14] [15] [16] while, as we show later, the displacement takes several hundred days. Thus, this is a reasonable approximation.
Capillary and Buoyancy Forces. The water will flow through the matrix blocks in response to capillary, viscous, and buoyancy forces. The pressure gradient owing to oil/water density differences is Drg, or approximately 2300 Pa/m for the Ghaba North field. This pressure gradient results in an interstitial flow speed of only around 0.35 m/yr, using the Ghaba North matrix permeability and oil viscosity. To flood a matrix block 5 m tall would take almost 15 years. In contrast, a typical pressure gradient for spontaneous imbibition is of the order Pc * /h, where h is the size of a rock matrix block (approximately 5 to 10 m for Ghaba North).
Assuming that Pc
* is approximately the capillary entry pressure calculated from Eq. 1, this gives pressure gradients in the range of 7000 to 14 000 Pa/m, which are larger. Thus, gravity is not as large as capillary forces in a single matrix block for oil/water displacements. This is true even if we consider lower oil/water interfacial tensions that are typical of hot fluids.
We imagine that a cubic matrix block is surrounded by hot water, as shown in Fig. 3 . Water can spontaneously imbibe into regions of the matrix with a temperature T³Tt. Because gravitational forces are comparatively weak, imbibition will occur over all faces of the matrix block, resulting in countercurrent flow. The process may be limited by the diffusion of heat into the matrix. In this case, the water front moving into the matrix will be at a temperature where T=Tt and the strength of the capillary forces will have little effect on the imbibition rate. The other possibility is that the transport of heat is comparatively fast, and that a temperature front moves ahead of the water. In this case, the imbibition rate is limited by capillary forces.
If the imbibition rate is limited by capillary forces, we can use an expression from Zhang et al. 24 to estimate the time scale for recovery. We define a dimensionless time tD as follows.
where Lc=a critical length, that for a cubic matrix block of side h is h/2Ö3. In Eq. 2 the temperature is at Tt or above. Taking fluid properties at approximately 200°C, consistent with the results in Fig. 2 , we find that mw=0.15 mPa×s, mo=0.7 mPa×s, 21 and s=23 mN/m.
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Using Ghaba North properties with h in the range of 5 to 10 m, we find tD=0.13 to 0.54 t, with t measured in days. Zhang et al. 24 found experimentally that for countercurrent imbibition into a matrix block, around 30% of the recoverable oil was displaced for tD=approximately 10, while 90% recovery was achieved for tD=100. This gives a time scale of 20 to 80 days for 30% recovery. Performing the same analysis for the core-scale experiments in and Co, Cw, and Cr are the respective heat capacities of oil, water, and rock measured in units of Jkg
le is the effective thermal conductivity of the rock and fluids, measured in units of Jm -1 s -1 K -1 . As in Eq. 5, le is a weighted sum of the conductivities of the different phases. We assume, for simplicity, that the fluid and rock properties are independent of temperature. Furthermore, we do not consider any possible evolution of solution gas caused by increasing temperature. This is another potentially important recovery mechanism. 23 We also assume that wettability reversal is an instantaneous process.
If the imbibition is limited by heat transport through the rock, then a simple analysis of Eq. 4 implies that the distance z moved in a time t scales as where gew and lew are measured in the water-filled regions of the reservoir, where So=Sor, and where Sw=1-Sor. Table 1 provides properties typical of the Ghaba North field. A somewhat high value for Sor is chosen; this is to model the fact that it is unlikely that all the rock will become water-wet. From the core data from Oman, we estimate that 30 to 40% of the initial oil, at most, could be recovered by spontaneous imbibition. The large value of Sor is used to represent this, even though forced water injection could, in theory, displace more oil. Using the values in Table 1 and Eq. 7, we find that zµ0.21t 1/2 , with z measured in meters and t in days. For the heat to diffuse through a matrix block of 5 to 10 m would take approximately 550 to 2,200 days, assuming a constant of proportionality of 1 in Eq. 7. This is sufficiently fast to make the process a practical proposition if a long period of steam injection Note: These properties will be used to find typical time scales for imbibition into the rock matrix. The temperatures used are based on the core experiments shown in Fig. 2 . The properties are measured at the initial reservoir temperature (50 o C) and pressure (50 to 60 atm).
is considered. This is a longer time scale than for capillary controlled imbibition, implying that the process is indeed limited by heat transport. We will now solve Eqs. 3 and 4 analytically to obtain a more accurate prediction of the rate of water advance than the simple scaling analysis. We assume that the water advances through the oil as a simple, piston-like advance. Then the solution to Eq. 3 is given by zt=the location of the water front where T=Tt, the transition temperature for wettability change; qw=qt, the total Darcy velocity, because we have assumed that where water is moving, there is no flow of oil; and b=a dimensionless constant, defined by Eq. 8, that we will determine from the boundary conditions. Schematically, the solution for saturation and temperature is shown in Fig. 4 . The boundary condition is that the water in the fractures (z=0) is at a temperature Tb, which will be less than or equal to the boiling point of water. Away from the fractures (large z), the temperature will be T0, the initial reservoir temperature. For z<zt, only water is flowing, while for z>zt, only oil is flowing. At z=zt, the temperature and the heat flux are continuous.
First, we will solve Eq. 4, where water is flowing (z<zt). We write Eq. 4 in terms of a new dimensionless variable. (13) where a and b are constants.
We can perform the same analysis for z>zt, where only oil is flowing. We solve Eq. 4, but with qo=qt substituted for qw, ro substituted for rw, and Co substituted for Cw. We define where geo is the effective volumetric heat capacity measured when oil is flowing (Sw=Swi and So=1-Swi), and leo is the corresponding thermal conductivity. Following the same steps as before, we find that Once b is found, Eq. 17 gives the solution for the temperature field. The relationship between the distance zt that the water front moves and the time t is given by Eq. 16.
We use the values in Table 1 and Eq. 22 to find b=0.089. The time taken to imbibe into a matrix block of 5 to 10 m is between 560 and 2,200 days-very close to that estimated with a simple scaling analysis, Eq. 7.
Countercurrent Imbibition. We will now repeat this analysis for the case where oil and water are flowing in opposite directions, as shown in Fig. 3 . The saturation equation is the same as Eq. 3, except that now qw=-qo and qt=0. The energy-balance equation where water and oil are flowing is Beyond the water front, Repeating the same steps as before, the solution is given by Eq. 17, and b is given by Eq. 22, except that now we define
The boundary condition T=T0 at large distances may be inappropriate when heat is invading a finite-sized block from all sides, but we retain it for simplicity. We use the same values for the water and oil saturations as before. The "residual" oil saturation used is clearly not a true residual because both oil and water are flowing for z<zt. As a first approximation, assuming that the oil and water saturations are both around 0.5 seems reasonable.
Again, we use the values in Table 1 and Eq. 22 to find b=0.077. The time (in days) taken to imbibe into the matrix to a distance h (in m) is 29.6h
2 . Because we are imbibing from all sides of the sample, the travel distance necessary to travel to fill the block is only half the block size. For h in the 2.5 to 5-m range, the time is between 180 and 740 days. Again, this is longer than the time computed with the assumption that capillary forces dominate. Fig. 5 shows the saturation and temperature after 500 days, when the water has traveled just over 4.1 m.
Discussion
If the transition temperature is much lower than the hot water temperature, Eq. 22 may have no solution for b. The water transports heat energy toward the oil; because the heat capacity of water is much larger than the heat capacity of the oil, this energy can be dissipated only through increased diffusion of heat in the oil. This is evident in Fig. 5 , where the temperature gradient in the oil is higher than in the water at zt. If the difference between Tb and Tt is large (around 120°C in this example) the advective energy flux in the water is such that it cannot be accommodated through increased diffusion of heat in the oil. The temperature at the water front increases above Tt. The analytic solution in this case is to find the lowest value of Tt that allows a solution to Eq. 22, then to use that value in Eq. 17.
The water always moves in response to capillary, buoyancy and viscous forces. Thus, there is an additional constraint in our 1D analysis, ignoring gravity.
Pc
* is a function of the temperature and the saturation at the water front. Water will imbibe at a saturation and temperature where Pc (Tt, Sw)=Pc using the high temperature value s=23 mN/m, gives 31 kPa, which is much higher. The low value of Pc * combined with the longer time scales for heat transport, compared to capillary imbibition, implies that for Ghaba North oil recovery is limited by thermal effects. We can assume, to a first approximation, that the transition temperature is when the rock first becomes water-wet, determined experimentally as when the temperature at which the rock first imbibes water; Tt occurs when Pc * »0. We do this because the rate at which water can imbibe under a typical capillary pressure is faster than the diffusion of heat, and so it is the latter process that limits the water advance. If capillary and thermal effects are similar, both forces may be important in deciding the overall recovery rate. Then, Eqs. 31, 17, and 22 would be solved simultaneously to find consistent values of b, Sw, and Tt. The problem is that experimentally, the function Pc(Tt, Sw) is unlikely to be known accurately. For lower-permeability media, it may not be possible to find a solution because an imbibition rate consistent with heat transport would require a higher value of Pc * than can be achieved by the wettability change. In this case, the temperature front moves ahead of the water. As the permeability is reduced, the time scale for spontaneous imbibition increases (see Eq. 2), while the thermal properties are largely unchanged. For sufficiently low permeabilities, capillary forces will limit the imbibition rate, and Eq. 2 alone provides a time scale for recovery. Using Ghaba North thermal properties, the time scale for capillary imbibition, Eq. 2, exceeds the time scale for heat transport for matrix permeabilities in the range 0.1 md and lower. For media with permeabilities greater than approximately 1 md, thermal forces limit the imbibition rate. Between 0.1 and 1 md, both effects are important.
In the absence of better-quality experimental data, further theoretical scrutiny of the problem is not justified. However, the imbibition rate could readily be determined experimentally and then upscaled to study field problems. Regardless of whether capillary or thermal effects are important, the recovery is a function of dimensionless time that scales as where a=a medium-dependent constant and h=the system size. A core at reservoir temperatures and pressures could be surrounded by hot water. The recovery of oil as a function of time is recorded. In the field the same recovery is used, but Eq. 32 is used to scale the time to the larger matrix blocks. Performing this analysis for the experiments shown in Fig. 2 suggests a time scale for recovery of 40 days in a core sample of 0.1 m, which scales to a time of 25,000 to 100,000 days to travel 2.5 to 5 m in a matrix block. This is considerably longer than the times estimated from our analysis. It takes up to 40 days for water-wet materials to become oil-wet in the presence of crude oil. [13] [14] [15] [16] It is possible that wettability reversal requires a similar incubation period, in which case, regardless of the strength of capillary forces or thermal diffusion, little recovery is expected before 40 days. In Eq. 32, we could replace t by t-ti, where ti is the incubation period. This would allow us to reconcile the experimental and theoretical time scales for oil recovery. However, further experimental study is required to determine the time taken for the wettability change to occur.
Our analysis was confined to the study of a single representative matrix block. The field-scale movement of steam was not investigated to determine the overall energy requirements of the process and to assess the macroscopic sweep efficiency. This could be achieved through full-field reservoir modeling with a thermal simulator.
Conclusions
We have proposed the use of steamflooding or hot-water injection in oil-wet fractured carbonate reservoirs. The steam or water heats the rock, which then undergoes a thermally induced wettability reversal. Hot water can then spontaneously imbibe into the waterwet rock matrix, resulting in favorable oil recoveries.
We found analytical solutions for 1D saturation and temperature profiles for imbibition into the matrix following a wettability change. The rate of advance is limited either by heat transport or by capillary forces. For typical thermal properties, the recovery rate in media with permeabilities lower than 0.1 md will be limited by capillary forces, while diffusion of heat limits the imbibition for permeabilities higher than 1 md. In the 0.1-to 1-md range, both capillary and thermal effects are important.
We analyzed this process with application to the Ghaba North field in Oman. We showed that approximately 30% oil recovery could be expected in a single matrix block after approximately 700 days of steam or hot waterflooding. This compares with only 2% recovery after more than 20 years of production with natural aquifer drive, and a failed attempt at gas/oil gravity drainage. 
